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A B S T R A C T

The increase in oil recovery from low salinity water injection has been often attributed to the alteration of
wettability to water wetting. The increase in elasticity of the interface may also contribute to increase in oil
recovery as has been suggested in the literature.

In this work, we investigate oil recovery using two carbonate cores, one with large vugs, and the other
without. The pore size and pore size distributions are very different in the two carbonate cores. The investigation
centers on oil recovery from low and high salinity water injection, and by addition of an effective demulsifier
molecule at 100 ppm in the injected high salinity water. The effective demulsifier molecule gives substantially
higher oil recovery than low salinity and high salinity water injection. The oil-water interface elasticity increases
significantly from the addition of 100 ppm demulsifier molecule to the aqueous phase. Salinity of the injected
water is found to have a weak effect on oil recovery. We attribute high recovery performance of the 100 ppm
surfactant to the increase in interface elasticity. The high recovery performance is observed in the carbonate
reservoir rocks, both with and without vugs. The demulsifier molecule which is non-ionic has a very low ad-
sorption in the carbonate rocks, around 2 mg/g at 100 ppm in high salinity injection water.

This work introduces a new process for improved oil recovery by the introduction of a demulsifier molecule at
ultra-low cocentration. The molecule has limited effect on water-wetting. The critical micelle concentration
(CMC) of the non-ionic surfactant in the injected brine is at 30 ppm. The low adsorption, and the CMC indicate
that the molecule adsorbs at the oil-water interface. The conventional chemical flooding which may require one
or two orders of magnitude more material is through significant reduction of interfacial tension. The interface
elasticity is singled out to be the main contribution to improved oil recovery in this work.

1. Introduction

Waterflooding is the most widespread method in improved oil re-
covery [25,32]. Based on some of the earlier work on the effect of salt
concentration on wettability, water imbibition, and oil recovery, in
1997, Tang and Morrow performed a systematic investigation of low
salinity water flooding on improved oil recovery [39]. Before the work
of Tang and Morrow [39] and more additionally since then, numerous
hypotheses have been put forward to explain the increase in oil re-
covery by low salinity water injection
[23,5,24,14,15,27,12,41,1,20,31]. Tang and Morrow [39] performed
waterflooding experiments at different concentrations of salt in the
injected water and in the connate water. In both cases a lower con-
centration of salt gave a higher oil recovery. All the tests were con-
ducted at the same injection rate in sandstone cores. They reasoned the

change to more water-wetting from low salt concentration to be the
main process for improved oil recovery. Tang and Firoozabadi [38]
have investigated the rate effect in oil recovery in water flooding at
different wettability states. They found that at strong water-wetting, the
injection rate does not affect the oil recovery at a given initial water
saturation. In weak water-wetting condition, as the rate increases, the
oil recovery can increase significantly. The experiments were per-
formed in a chalk sample. The rates are within the capillary number
considerations as discussed in Supplementary Information D.

In addition to wettability alteration which relates to the fluid-solid
interactions, there are other effects that have been brought up including
emulsion formation [30,22,36,44], clay migration [40], and multi-
component ions exchange. Change of interfacial tension from salt
concentration is often small. An effect from ion exchange may be re-
lated to wettability [4]. Emadi and Sohrabi [9] investigated formation
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of water micro dispersions at the interface of crude oil and low salinity
water injection in a mixed wet system, through direct visualization in a
series of micromodel experiments. They hypothesized the formation of
water micro dispersions in the oil phase during low salinity water in-
jection by release of surface active agents from the interface, altering
wettability. These emulsions formed at the oil-low salinity water in-
terface were found to coalesce, causing swelling of connate water
droplets and remobilization of trapped residual oil.

Another potential mechanism in low salinity water injection that
may affect oil recovery is from viscoelasticity of the fluid-fluid inter-
face. Fluid-fluid interface viscoelasticity is a mechanical property while
interfacial tension is a chemical property. It has been suggested that the
oil-water interface viscoelasticity relates to the strength of oil-water
films stabilized by asphaltenes and other polar fractions of crude oil
[11,10,28,3,13]. Many studies show that the interfacial viscoelasticity
may depend on the concentration and type of asphaltenes [3,13,37,29].
While interfacial tension may depend on the amount of asphaltenes at
the interface, interfacial viscoelasticity is governed by the arrangement
of molecules (molecular structure) at the interface. Asphaltenes are
known to increase interface elasticity by gradual movement and
alignment of molecules, thereby stabilizing water-oil emulsions. Higher
asphaltene content in crude oil can lead to development of a slower, but
more rigid network at the interface, leading to a high elasticity Freer
et al. [11]. Spiecker and Kilpatrick [33] used an interfacial shear rhe-
ometer to study asphaltene stabilized films at oil-water interface by
performing elasticity and yield stress measurements. Asphaltenes with
varying aromaticity, heavy metal content, and polarity from different
crude oils were separated and mixed in the heptol solution. Highly
elastic, consolidated oil-water films resulted from the presence of as-
phaltenes having higher heavy metal concentration, polarity, and lower
aromaticity. Additionally, higher concentration of aromatic solvent
made the asphaltenes more solvated, resulting in films of lower elasti-
city, yield stress, and weaker emulsions.

In waterflooding, fluid-fluid viscoelasticity has been reported to
affect oil recovery. Bidhendi et al. [6] reported the elastic modulus at
the interface between sodium sulfate brine and a crude oil. The max-
imum elastic modulus was 38 mN/m at a brine concentration of
6.724 mM (Na2SO4 solution) and the elastic modulus decreased by
increasing salt concentration. They used a microfluidic device to mea-
sure oil recovery at low brine concentration (6.724 mM of Na2SO4 so-
lution) to be around 30% higher than in a high salinity brine (0.6724 M
of Na2SO4 solution) injection. The authors suggest that the increase in
oil recovery was because of the increased elasticity of the fluid-fluid
interface, judged by an increase in elastic modulus. The increase in oil
recovery was from reduction of the oil snap-off in the displacement.

Chávez-Miyauchi et al. [8] studied low salinity water injection in a
water-wet sandstone; they found there exists a correlation between
interface viscoelasticity and oil recovery. They observed improved oil
recovery with low salinity water injection when there is an increase in
fluid-fluid elasticity at low salinity. In some of the experiments by
Chávez-Miyauchi et al. [8], without change in wettability from salt
concentration change, an increased oil recovery was observed. The
work by the authors was in in Berea sandstone cores in different oils. In
one of the three whole crudes (K1), significant improved oil recovery
was observed by low salinity water injection in comparison to high
salinity water injection.

In the work above on viscoelasticity, interface elasticity is mainly
described by elastic modulus. An increase in elastic modulus is gen-
erally referred to as an increase in interface strength and elasticity. The
idea of interface elasticity increase from surfactants in injected brine
was introduced by Chávez-Miyauchi et al. [7]. At 100 ppm surfactant
concentration, the authors reported the interface elasticity increase
resulted in 10% oil recovery increase. However, they used the phase
angle as a measure of fluid-fluid interface elasticity. In interfacial vis-
coelasticity measurements, three parameters are measured: elastic
(storage) modulus, viscous (loss) modulus, and phase angle. Phase

angle is related to the ratio of viscous to elastic moduli; it ranges from 0
to 90° (°). The lower the phase angle is, the higher is the fluid-fluid
interface. Chávez-Miyauchi, et al. found that the addition of the sur-
factant lowers both the elastic and viscous moduli compared to the case
when no surfactant was added, but the overall phase angle was found to
reduce. They attributed the increase in interface elasticity to the re-
duction in phase angle, accounting for both moduli. In this work, we
compare the change in elastic and viscous moduli, as well as phase
angle in relation to interface viscoelasticity. The original idea of the use
of surfactant at 100 ppm concentration is from Sun et al. [36] where the
authors observed a very large pressure drop and wild pressure fluc-
tuations in water flooding of a relatively low viscosity oil. The surfac-
tant at 100 ppm (demulsifier, DEM) was effective in preventing water-
in-oil emulsion formation in the oil-water systems. Without the DEM in
the injected water due to formation of water-in-oil emulsions a high
pressure drop and large pressure fluctuations were observed in water-
flooding. The addition of 100 ppm of demulsifier in injection water
prevented formation of water-in-oil emulsions; and the pressure drop
reduced significantly. Sun et al. [36] observed a final oil recovery in-
crease of about 12% from 100 ppm demulsifier. In 2018, Kazempour
et al. [19] examined improved oil recovery in shale rock from imbibi-
tion by a demulsifier at 1000 ppm. In their work, the improved recovery
was attributed to significant wettability change from oil-wetting to
water-wetting. They called the DEM as Production Enhancer (PE). The
contact angle of the brine-crude oil-shale rock decreased from about
160° to 40° by the addition of the demulsifier at 1000 ppm demon-
strating alteration of oil wetting to water wetting. Interfacial tension
between the oil and high-salinity brine was reduced by an order at
1000 ppm concentration. The authors concluded the use of the de-
mulsifier molecule alters wettability to water-wetting based on both
wettability and water imbibition. Recently, Kar et al. [18] further stu-
died the correlation between oil-water interfacial elasticity and oil re-
covery in a crude oil sample which gave high recovery from low salinity
water injection and high salinity water injection at 100 ppm chemical.
They performed waterflooding experiments in Edward Yellow carbo-
nate cores saturated with a light crude oil. The addition of 100 ppm
non-ionic surfactant to the injected brine increased the interfacial
elasticity significantly (lowered phase angle). In the oil used by Kar
et al. [18] the increase in interfacial elasticity by the chemical was
independent of the salinity of the aqueous phase. The increases in re-
covery from low salinity and 100 ppm surfactant in high salinity were
nearly the same.

In this work, we use the same non-ionic surfactant as in the past
[36] and investigate the effect of the oil-brine interface elasticity on
improved oil recovery in a crude oil for which the low salinity water
injection has a weak effect on oil recovery. Two vastly different car-
bonate rocks (one with vugs, the other without vugs) are used. DEM at
100 ppm is dissolved in the injected water to examine the water-
flooding performance. The oil and rocks are from the same field in the
Middle East. We measure the contact angle and interfacial tension to
examine the effectiveness of the demulsifier molecule at 100 ppm. We
also measure the critical micelle concentration (CMC) in the brine. The
concentration of the surfactant in the injected water should be above
CMC [26,16]. The CMC primarily dependents on temperature and
salinity of the aqueous phase. The effectiveness of the non-ionic sur-
factant in our work is due to low adsorption at the fluid-rock interface,
and accumulation and structure at the oil-water interface. To in-
vestigate the selectivity of chemical to the interfaces in relation to ef-
ficiency of the demulsifier in waterflooding, adsorption of the surfac-
tant on the rock surface is also measured. One objective of this work is
investigation of increase in oil recovery by very low concentration of
DEM in the injected high salinity water when low salinity water is not
effective. We find the 100 ppm concentration of chemical is more ef-
fective than low salinity water injection. This is the first report of the
process in relation to the comparison of interface elasticity with weak
effect from low salt concentration and pronounced effect from 100 ppm
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demulsifier in two vastly different carbonate rocks, with and without
vugs.

2. Materials and methods

2.1. Fluids

The relevant properties of the crude oil used in our investigation are
listed in Table 1. Density, ρ, and viscosity, μ, of the oil sample are
measured using an Anton Paar DMA5000 density meter, and an Anton
Paar MCR 302 shear rheometer with 50 mm parallel plate geometry,
respectively. Total acid number (TAN) and total base number (TBN) are
obtained by performing potentiometric titrations using 1 g of oil [36].
Measurements are repeated from 3 to 5 times.

The crude forms strong water-in-oil emulsions when mixed with
brine (see Supplementary Information A). The brine equilibrated
with rock has much lower tendency to form emulsions in the oil. Details
are presented in Supplementary Information B. Addition of the DEM
further reduces the emulsion formation discussed also in
Supplementary Information B.

Brines are prepared by mixing salts and DI water. Connate water is
prepared based on the composition of the reservoir brine. High salinity
and low salinity brines are from NaCl solutions. Compositions of the
brines are presented in Table 2.

Toluene, dichloromethane, and methanol were purchased from
Fisher Chemical; the purity is more than 99.5%. The three chemicals
were used for cleaning the core samples after each waterflooding ex-
periment. The demulsifier molecule in this work is a nonionic surfac-
tant; the main functionality is the ethoxylated resin. It is an emulsion
destabilizer. We used the same demulsifier (DEM) reported by Sun et al.
[36].

2.2. Core samples

Two carbonate rock samples, Core #1; 1.5 in. in diameter and
2.4 in. in length and Core #2; 1.5 in. in diameter and 2.2 in. in length
are used in waterflooding. Fig. 1 shows images of both cores; some of
the pore (vug) sizes of Core #1 are large enough to be observed by
naked eye. The pores of Core #2 are small and cannot be observed by
naked eye. The mineral compositions of both cores are measured using
X-ray diffraction analyses. Both cores have more than 99% calcite and
less than 1% quartz. Micro-CT scanned images of Core #1 and Core #2
are shown in Fig. 2. Core #1 is scanned using Micro-CT at 40.16 µm
resolution, 120 kV of voltage, and 2.5 s of the exposure time. Core #2 is
scanned at 5.19 µm resolution since the pores are much smaller than
Core #1. The 3D images of both cores are generated from the Micro-CT
scanned images at different heights (see Fig. 3). As Fig. 3 reveals vugs

exist inside Core #1, but not in Core #2.
From the Micro-CT scanned images, the pore size distribution can be

obtained. Using the denoising and segmentation processes from the
scanned images, the Micro-CT scanned images can be converted to the
solid and pores [43,21]. Most of the pores are connected; the watershed
segmentation is used to isolate each pore. The pore size distribution of
the two cores are shown in Fig. 4. The figure indicates that the total
frequency of the pores of Core #1 are much higher than Core #2, im-
plying Core #1 has higher pore density than Core #2. The maximum
frequency of Core #1 is at 140 µm, while Core #2 has the maximum
frequency at 20 µm (see Fig. 4(a) and (b)). As Fig. 4 shows, most pores
of Core #2 are less than 160 µm, however, Core #1 has many pores
even larger than 700 µm.

Using the generated 3D images of both cores, the internal pore
connectivity is shown in Fig. 5; Core #1 has more connected pores than
Core #2. Figs. 3–5 also show internal vugs. Despite the large difference
in pore sizes, the recovery from both cores are equally increased from
fluid-fluid interface elasticity increases as we will show later.

We clean the cores after each test following the same procedure.
First, 10 pore volume (PV) of toluene, then 10 PV of dichloromethane,
and 10 PV of methanol are injected in this order from the bottom of the
core in the vertical position. After flowing with fresh solvents, the core
is placed in a Soxhlet device and several cycles of hot toluene followed
by a mixture of dichloromethane and DI water are performed until the
solvent around the core is clear. After the cleaning procedure, the core
is dried in the oven at 80 °C overnight.

2.3. Experimental procedure

2.3.1. Interfacial viscoelasticity
Interfacial viscoelasticity measurements are performed using the

Anton Paar MCR 302 rheometer, with the Dunoy ring. Controlled shear
deformation oscillatory runs are performed in which strain amplitude
and angular frequency of oscillations are kept constant at 1% and
0.5 rad/sec, respectively. The Dunoy ring is positioned exactly at the
oil-aqueous phase interface, and oscillations are performed at every 15-
minute interval. The applied torque leads to angular deflection of the
measuring system, and the resulting shear stress is computed.
Depending on the viscoelasticity, there might be a response lag due to
the deformation; strain will lag stress. Sinusoidal responses of the re-
sulting shear stress and strain are created, from which the lag between
stress and strain is obtained. The lag is referred to as the phase angle, it
is a measure of elasticity of the interface. The maximum phase angle is
90°. For elastic interfaces, phase angle is often lower, with a minimum
of 0°. The three important parameters of interfacial viscoelasticity
measurements are: phase angle, storage (elastic) modulus G′ and vis-
cous (loss) modulus G″. In the section on Results, variations of elastic
and viscous moduli with change in aqueous phase salinity and surfac-
tant addition, as well as the overall effect on phase angle will be dis-
cussed.

2.3.2. Interfacial tension
Kruss Processor Tensiometer K12 is used to conduct the interfacial

tension (IFT) measurements by a Dunoy ring. Aqueous phases with
varying salt concentration are used in our measurements: deionized
water, low salinity water, high salinity water, and connate water. The
effect of the non-ionic surfactant DEM at 100 ppm on IFT is measured.
All measurements are carried out after allowing sufficient time for the
molecules to stabilize at the interface; each measurement is repeated to
obtain an accurate estimate. The measurements are conducted at room
temperature.

2.3.3. Wettability
Contact angle measurements are performed using a goniometer

setup to determine wettability of the rock substrate in the oil-brine
system. The study of the effect of salt and DEM on the contact angle is

Table 1
Relevant properties of the crude oil at 25 °C.

ρ (g/ml) μ (cP) TAN (mgKOH/g) TBN (mgKOH/g)

0.873 ± 0.0001 18.3 ± 0.1 0.268 ± 0.067 1.168 ± 0.049

Table 2
Brine composition.

Salt Concentration (wt%)

Salt Connate Water High Salinity (HS) Low Salinity (LS)

NaCl 20.49 4.00 0.10
CaCl2 5.60 — —
MgCl2 1.30 — —
KCl 0.64 — —
Na2SO4 0.05 — —
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one of the objectives. First, the calcite substrate is aged with brine for a
period of one day. Then, the oil droplet is placed on the substrate by a
syringe. In some measurements we place up to 3 oil droplets on the
substrate as shown in Fig. 6. The multiple droplets will provide stan-
dard deviations. After aging the oil droplet on the calcite substrate for
three days, water-oil contact angle is measured using the Pendant drop
method and the Drop Snake Plugin in Image software [34,35]. The
procedure is discussed in detail by Aslan et al. [2]. We measure contact
angle in different aging periods. It is found that the equilibrium is es-
tablished in 3 days. The measured contact angle is based on the angle
between the rock substrate and the outer edge of the oil droplet. An
increase in the contact angle would imply more spreading of the oil on
the rock, and an oil-wetting behavior. Similarly, a decrease in contact
angle indicates a shift towards water-wetting behavior.

2.3.4. Core saturation
The core is saturated following the same procedure in all the tests.

The core holder has a dead volume of 0.3 mL, about 0.15 mL in the
inlet-side and about 0.15 mL at the outlet-side. A schematic of the
waterflooding setup is depicted in Fig. 7. First, the core is vacuumed at
5 torr (0.097 psi, 0.0066 atm) for 40 min. Then, the core is saturated
with DI water to measure the pore volume and porosity. The perme-
ability is also measured by flowing DI water through the core at dif-
ferent flow rates. Then, the core is saturated with connate water by
flowing 2 pore volume (PV) at 0.5 mL/min of flow rate. The system is
closed and pressurized to 50 psi. Core is aged with connate water for
24 h.

After 24 h, the oil is injected until no water is produced. An extra PV
of oil is injected and then the system is closed and pressurized to 50 psi.
Core is aged with the oil for 72 h (3 days) before performing water-
flooding. To examine the effect of longer aging time, in one water-
flooding run, the core is aged with connate water for 3 days at 50 psi
and then, aged with the oil for 3 weeks at 50 psi.

Relevant core properties are listed in Table 3. Note that after each

coreflooding we measure porosity and permeability of the core.

2.3.5. Waterflooding procedure
In all the waterflooding experiments, the confining pressure is 200

psi. Water is injected at rate of 12 PV/d (0.1 mL/min) in Core #1 and at
4 PV/d (0.033 mL/min) in Core #2. Pressure is recorded at the inlet of
the core. The outlet is open to atmospheric pressure. At the end of
waterflooding, flow rate is increased five times to examine the end ef-
fect and wettability [38].

2.3.6. Cleaning procedure
Flooding with toluene, dichloromethane, and methanol are first

performed to remove residual oil in the core. By performing Soxhlet
cycles with solvents, the oil and chemicals are removed from the core
completely. The permeability and porosity are the initial values after
each cleaning procedure. The cleaning procedure is intended to keep
the substrate in the same wetting state. In the past, using the procedure
described above in duplicate corefloods has established reproducibility
[8].

2.3.7. Adsorption measurements
Adsorption measurements are performed using the Perkin Elmer

Lambda XLS UV–vis Spectrometer. The carbonate rock is crushed into
particles of average size 210 μm. High salinity brine is equilibrated with
the crushed rock for a period of 24 h. Then, various concentrations of
demulsifier in equilibrated high salinity brine, ranging from 20 to
100 ppm, are prepared, and absorbance spectra are measured in the
spectrometer. A wavelength of 230 nm is selected to compare the ab-
sorbance at different concentrations, and a concentration calibration
plot for the demulsifier in high salinity brine is prepared. Next, solu-
tions of demulsifier in high salinity brine are mixed with crushed rock
(10 mL of brine mixed with 0.1 g of rock). These are allowed to stand in
vials for a period of 24 h. Then the absorbance of supernatant is again
measured and the concentration of demulsifier in the supernatant is

Fig. 1. Images of cores (a) #1 with vugs, and (b) #2 without vugs.

Fig. 2. Micro-CT scanned images of Cores (a) #1, and (b) #2. The scales of (a) is much higher than (b).
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determined using the calibration plot. The adsorbed amount of de-
mulsifier in the rock is then determined.

2.3.8. CMC measurement
Surface tension is measured at various concentrations of surfactant

DEM in high salinity brine, and the results are plotted to obtain CMC.
Above CMC, the surface tension (ST) tends to stay nearly constant.
When plotted against a logarithmic concentration scale, two straight
lines may be observed, one in the decreasing ST region, the other in the
region where the ST is nearly constant. Intersection of these two
straight lines provides the surfactant CMC at given temperature and

salinity conditions.

3. Results and discussion

3.1. Interfacial viscoelasticity

The plots on development of storage modulus (G') and loss modulus
(G″) with time for all the runs are presented in Supplementary
Information C (Figures C-1 to C-5). The final stabilized values of G'
and G″ from these figures, along with the phase angle (δ) are listed in
Table 4. In various aqueous phases, except the connate brine, the

Fig. 3. 3D images generated from Micro-CT scanned images of Cores (a) #1, and (b) #2.

Fig. 4. Pore size distribution to 300 µm: (a) Core #1, and (b) Core #2, and in the range of 300 to 1000 µm: (c) Core #1, and (d) Core #2.
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addition of demulsifier lowers both the elastic and viscous moduli
considerably. The addition of demulsifier to the high salinity wáter
destabilizes the wáter-oil emulsions, and breaks the emulsions as ob-
served in vial tests (Fig. A-1) and from microscopic images (Fig. A-2).
This is related to the lowering of G' by demulsifier. Similar observations
were reported by Varadaraj and Brons [42] and Kang et al. [17].
However, as we will discuss later, in this work, the combined con-
tribution of the elastic and viscous moduli, through phase angle, cor-
relates with oil recovery in different coreflood experiments.

The effect on G' and G″ without and with demulsifier may depend
on salinity as well as salt composition. In NaCl salt, surfactant reduces
both G' and G″, and results in lowering of the phase angle. In the

divalent ions (connate brine), surfactant increases G' and lowers G″, and
reduces the phase angle. In this study, we have used phase angle as a
measure of interface elasticity of the oil-water interface in different
aqueous phases.

For a better understanding of the phase angle, we present the si-
nusoidal response of the shear stress with respect to the strain for a
given time interval in Fig. C-6. The lag between the peak shear stress
(σo) and peak strain (γo) at each interval is the phase angle (δ). For a
completely elastic interface, there will be no lag; the phase angle is 0.
As the interface elasticity decreases, the lag increases, increasing the
phase angle. As seen from Table 4, a small concentration of demulsifier
affects the moduli which results in lowering of the phase angle which
make the oil-water interface more elastic. Additionally, changing con-
centration of DEM from 100 to 200 ppm in high salinity water does not
significantly alter the viscoelasticity. This will be supported by core-
flooding results using 100 and 200 ppm DEM in high salinity brine to be
discussed later. We have repeated three interface viscoelasticty mea-
surements in Table 4. For these three measurements the standard de-
viations are computed.

Fig. 8 depicts the plot of the phase angle data from Table 4. The
figure illustrates significant effect of the DEM at 100 ppm on the in-
crease in elasticity of the interface. The DEM lowers G', it also lowers
G″. The change in rheology is due to accumulation of the surfactants at
the oil-water interface and significant reduction of the phase angle. The
same trend has been observed by Chávez-Miyauchi et al. [7].

Fig. 5. 3D images showing the internal pore connectivity of Cores (a) #1, and (b) #2.

Fig. 6. Schematic of goniometer setup for contact angle measurements.

Fig. 7. Experimental setup for waterflooding experiments.
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3.2. Interfacial tension

Table 5 presents the IFT data of the oil and aqueous phase: deio-
nized water, low salinity water (0.1 wt% NaCl), high salinity water
(4 wt% NaCl), and connate water (28 wt% salinity). IFT measurements
are compared without and with 100 ppm of non-ionic surfactant DEM
in the aqueous phase. The surfactant lowers the IFT at 100 ppm.
However, the lowered values of IFT from DEM (lowest
value = 0.78 mN/m) are not believed to be sufficient enough to effect a
change in residual oil saturation. The data are plotted in Fig. 9.

3.3. Wettability: effect from salt concentration on Oil-Water contact angle

The contact angle measurements are divided into two parts. First,
we present the effect of salt concentration on the wettability of the
calcite substrate. Then, we examine the effect of surfactant at 100 ppm
in the aqueous phase.

Fig. 10 reveals a general shift towards oil-wetting behavior as the
aqueous phase changes from deionized water to connate water (re-
servoir brine) which has a salinity of 28 wt%. This trend is similar to the
work by Aslan et al. [2].

3.4. Wettability: effect of demulsifier on oil-water contact angle

Next, we measure the effect of the non-ionic surfactant DEM on
contact angle at 100 ppm dissolved in the aqueous phase. The surfac-
tant results a shift towards water-wetting, as illustrated in Fig. 11. The
size of droplets in Figs. 10 and 11 are not the same. When 100 ppm of
DEM is added to the aqueous phase, it reduces the interfacial tension as
presented above. As we place the oil droplet onto the substrate, part of
the droplet may break off and the main droplet may become smaller
when compared to the one without DEM. In both cases with and
without DEM, we allow enough time for the system to reach the equi-
librium (3 days). The interface flatness in the middle in Fig. 11 is from
the low IFT effect.

The variation in contact angle with salt concentration without and

Table 3
Water injection tests and relevant core properties.

Test Core Injection Water Injection rate (PV/d) PV (ml) ϕ (%) KW (mD) OOIP (ml) SWI (%)

1 #1 LS 12 11.5 17.6 452 8.9 22.7
2 #1 HS-DEM 100 ppm 12 11.1 17.0 423 8.2 26.1
3 #1 HS 12 11.8 18.0 421 8.8 25.4
4 #1 HS-DEM 100 ppm 4 11.9 17.1 458 8.8 21.4
5 #1 HS 4 11.7 17.9 433 9.3 20.2
6 #1 HS-DEM 200 ppm 4 11.3 17.3 423 9.3 17.7
7 #2 HS-DEM 100 ppm 4 13.9 22.7 41 10.2 26.3
8 #2 LS 4 14.7 24.1 41 9.8 33.9
9 #2 HS 4 15.0 24.5 37 10.3 31.6
10* #2 HS 4 15.6 25.5 56 10.4 37.4

*longer aging time (3 days for brine, 3 weeks for the crude oil).

Table 4
Relevant data from interfacial viscoelasticity measurements of the oil/aqueous phase. Salt is NaCl. The symbol * indicates duplicate tests.

Brine Type Salinity (wt%) DEM Concentration in Injected Water (ppm) Storage Modulus G' (mN/m) Loss Modulus G″ (mN/m) Phase Angle δ (deg)

Connate water 28.08 – 0.1 0.4 70.5
100 0.4 0.1 12.9

Connate brine NaCl 28.08 – 1.2 2.3 62.3
100 0.1 0.05 28.2

High salinity 4 – 5.4 6.9 52.0
100 0.2 ± 0.04* 0.06 ± 0.01* 19.2 ± 1.4*
200 0.1 0.03 18.3

Low salinity 0.1 – 10.3 9.8 43.6
100 0.2 ± 0.01* 0.05 ± 0.01* 12.5 ± 0.05*

Deionized water 0 – 4.4 5.4 50.5
100 0.2 ± 0.01* 0.1 19.9 ± 0.1*
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Fig. 8. Phase angle vs. NaCl salt concentration in the aqueous phase, without
surfactant DEM (orange) and with 100 ppm surfactant DEM in aqueous phase
(blue); comparison with reservoir brine without DEM (orange diamond) and
reservoir brine with 100 ppm DEM (blue diamond) *CB- Connate (Reservoir)
brine. (For interpretation of the references to colour in this figure legend, the
reader is referred to the web version of this article.)

Table 5
Oil-aqueous phase interfacial tension measurements with aqueous phases of
different salt concentrations, Without DEM and with 100 ppm DEM in the
aqueous phase.

Brine Type Salt Content (Wt%) IFT (mN/m) of oil – brine

Without DEM With 100 ppm DEM

Deionized water 0.00 19.6 ± 0.26 0.78 ± 0.15
Low salinity water 0.10 17.6 ± 0.15 0.90 ± 0.01
High salinity water 4.00 16.8 ± 0.16 0.89 ± 0.01
Connate water 28.08 15.4 ± 0.05 1.88 ± 0.13
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with surfactant is presented in Fig. 12. A non-monotonic trend is ob-
served; decrease of contact angle, implies more water-wetting from the
100 ppm DEM. The trend, of contact angle vs. salt concentration is si-
milar with and without DEM. As a whole the increase in water-wetting
from the DEM is not pronounced.

3.5. Waterflooding performance: core with vugs

The essence of the waterflooding performance for different injection
waters in Core #1 is shown in Fig. 13. Three types of brines include: low
salinity water (LS, 0.1 wt%), high salinity water (HS, 4 wt%), and high
salinity water with 100 ppm of DEM (HS-DEM). The water is injected
from one side of the saturated core at 12 PV/d (0.1 mL/min) and after
around 3 PV, we increase the flow rate to 60 PV/d (0.5 mL/min) to
examine the end effect and wettability behavior of the core.

As shown in Fig. 13, the breakthrough time and recovery of LS and
HS are close to each other (22%, 23%, respectively), however, HS-DEM
has a later breakthrough (31%). The oil recovery increases steeply to
breakthrough, and after breakthrough the slope decreases until re-
covery plot becomes flat. The oil recovery of the HS-DEM is higher than
from HS and LS injection. There is extra oil recovery by increasing the
flow rate from 12 PV/d to 60 PV/d for the three injections. The extra
recovery can be from the end effect or from wetting being different
from strong water wetting [38]. The HS-DEM shows the weakest effect
from rate increase. The LS run shows the highest effect from the rate
increase. The IFT reduction from 100 ppm DEM reduces the end effect.
In the LS because of stronger water-wetting than the HS, the end effect
may be more pronounced. The extra recovery from the rate increase
does not change the overall trend. The oil recovery (54%) of HS-DEM at
higher flow rate is higher than the other oil recoveries (HS: 48%, LS:
51%). This result shows the effectiveness of a small amount of de-
mulsifier molecule on oil recovery. The improved recovery from addi-
tion of small amount of demulsifier may be related to the phase angle
from interfacial viscoelasticity measurements (Fig. 8). Phase angles for
high salinity (52°), low salinity (43.6°), and high salinity with surfac-
tant (19.2°) correlate with the oil recovery, with the highest recovery
from high salinity with the surfactant. The oil-brine IFT (Fig. 9) and the
oil recovery data, reveal that the increased recovery in low salinity
water injection compared to high salinity is not from IFT effect. Inter-
face elasticity, and not the interfacial tension can be a key parameter

governing the oil recovery performance.
In Fig. 14, the pressure drop profiles are shown. The pressure drops

in LS and HS are close to each other, which is about 1.7 psi. Once the
flow rate is increased to 60 PV/d, the pressure drop increases to about
2.6 psi in both the LS and HS waterflooding. The pressure drop of the
waterflooding with HS-DEM 100 ppm is lower (0.7 psi) than the two
others. Also, the extent of the increase of pressure drop by increasing
the flow rate is lower than the other two. The pressure drop of HS-DEM
at 100 ppm increases to 1 psi from rate increase. The pressure drop is
not proportional to rate increase most likely due to small number of
emulsions in the fluid system.

Emulsion formation and the effect of DEM on emulsion stability are
also studied (see Supplementary Information A). The mixture of the
oil and HS forms emulsions and DEM destabilizes emulsions sig-
nificantly which supports that the pressure drop profile of water-
flooding with DEM (HS-DEM) to be lower than LS and HS water in-
jection. The emulsion formation in water equilibrated in crushed rock is
also investigated (see Supplementary Information B). The emulsion
tests without the rock require longer time for the oil-water mixture to
separate.

The salinity and pH profiles of produced water in different water
injections are shown in Fig. 15. Salt concentration drops with injected
PV to 4 wt% for HS and HS-DEM at 100 ppm and to 0.1 wt% for LS
waterflooding. pH stays the same during the waterflooding for all three
tests implying that there is no significant dissolution of the minerals
from the core. The pH of the injected waters is shown at PV of zero; it is
somewhat lower than the pH of the produced water. The pH of the brine
equilibrated in crushed rocks are measured as well (see
Supplementary Information B).

We have also measured the pH and salt content of the produced
water for the core without vugs to be described next. The trends are
very similar to those in Fig. 15. The results are presented in
Supplementary Information D.

3.6. Effect of the concentration of DEM on waterflooding performance

The effect of concentration of DEM on waterflooding performance is
studied at two different concentrations of DEM (100 ppm and
200 ppm). As shown in Fig. 16, there is no significant effect of the
concentration of DEM on the oil recovery. The breakthrough recoveries
(35% and 36% for HS-DEM at 100 ppm and 200 ppm, respectively) are
close and oil recovery in both is 57%. As mentioned before, there is no
appreciable effect of DEM concentration of 100 and 200 ppm on in-
terface viscoelasticity (Table 4).

3.7. Waterflooding performance: core without vugs

The waterflooding performance in Core #2, which has no vugs, is
shown in Fig. 17; the oil recovery trend is the same as in Core #1. The
oil recovery at high salinity at 100 ppm DEM is the highest among three
different corefloods, higher than the low salinity (LS) and high salinity
(HS) water injections. As shown in Fig. 17, the breakthrough time and
recovery of LS and HS are close to each other (36%, 35%, respectively);
HS-DEM has a later breakthrough (44%). The breakthrough time in
Core #2 is later than in Core #1. The oil recovery increases steeply tol
breakthrough, and after breakthrough the increase is not significant
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Fig. 9. Oil-aqueous phase interfacial tension: aqueous phases of different salt
concentrations; without DEM and with 100 ppm DEM in the aqueous phase.

(a) Deionized water (b) Low salinity brine (d) Reservoir brine(c) High salinity brine

74.7 ± 1.4 ° 59.8 ± 0.6 ° 102.7 ± 0.4 ° 119.5 ± 0.3 °

Fig. 10. Contact angle of the crude oil-water-
calcite substrate in different brines: (a)
Deionized water (b) Low salinity water (c)
High salinity wáter, and (d) Reservoir (con-
nate) brine.
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until recovery becomes flat. There is extra oil recovery by increasing the
flow rate from 4 PV/d to 20 PV/d implying the end effect or a wett-
ability other than strongly water wetting [38]. The oil recovery at
higher rate in HS-DEM (58%) is higher than the other oil recoveries
(HS: 53%, LS: 54%). The results show the effectiveness of a small
amount of demulsifier molecule on oil recovery.

The emulsions in the produced oil is examined after each water-
flooding. In the three corefloods with LS, HS, and HS-DEM, we do not
observe emulsion in the produced oil under the microscope. There is
also no emulsion in the produced water. The effect of rate increase is
very similar in Figs. 13 and 17.

In Fig. 18, the pressure drop profiles during the waterflooding are
shown. The pressure drops of LS and HS are close to each other, which
is about 15 psi before increasing the flow rate. Once the flow rate is
increased to 20 PV/d, the pressure drop increases to about 45 psi for LS
and 28 psi for HS waterflooding. However, the pressure drop of the
waterflooding performance of the HS-DEM at 100 ppm is lower (3.2 psi)

than the two others. Also, the extent of the increase of pressure drop by
increasing the flow rate is lower than the two others. The pressure drop
of HS-DEM at 100 ppm increases to about 16 psi from flow rate in-
crease.

3.8. Effect of longer aging time on waterflooding performance

We have examined the effect of longer aging time in both brine
saturation and oil saturation on waterflooding performance in Core #2.
We aged the core for 3 days in brine and 3 weeks in oil. Except this run,
1 day for brine and 3 days for oil is used as an aging condition. As
shown in Fig. 19, there is no significant effect of longer aging time on
oil recovery; the final oil recovery from long aging time (52%, test 10)
is close to shorter aging time (53%, test 9).

3.9. Adsorption measurements

The absorbance spectra (ranging from 220 to 300 nm wavelengths)
for demulsifier in high salinity brine are shown in Fig. 20(a). There is a
consistent increase in absorbance with increase in demulsifier con-
centration in brine. Due to adsorption in the rock, there is a slight de-
crease in absorbance at different concentrations. The calibration plots
based on the absorbance in Fig. 20(a) are presented in Fig. 20(b).

Table 6 reveals that adsorption of demulsifier in the carbonate rock
ranges from 0.4 to 2 mg/g. The equivalent adsorption in terms of sur-
face area of rock is quite small. There is lower adsorption at the rock
surface as the salt concentration decreases. For a more realistic de-
termination of adsorption of the chemical in the core during water-
flooding, we have performed dynamic adsorption [18], in which we
aged a carbonate rock with high salinity brine, then injected high
salinity brine mixed with the 100 ppm of the non-ionic DEM and
measured the concentration of chemical in the produced water via the
same technique described in this study. Concentration of surfactant in
the produced water dipped to 80 ppm after 2 PV injection, and

(a) Deionized water (b) Low salinity brine (d) Reservoir brine(c) High salinity brine

51.0 ± 0.3 ° 43.8 ± 1.1 ° 76.1 ± 1.1 ° 107.2 ± 0.2 °

Fig. 11. Contact angle of the crude oil-water-
calcite substrate with 100 DEM: (a) Deionized
water, (b) Low salinity water, (c) High salinity
water, and (d) Reservoir (connate) brine.
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Fig. 12. Oil-aqueous pase-calcite contact angle measurements; aqueous phases
of different salt concentrations; without DEM and with 100 ppm DEM in the
aqueous phase.

Fig. 13. Oil recovery performance by LS, HS, and HS-DEM at 12 PV/d of in-
jection rate: Core #1.

Fig. 14. Pressure drop profile of waterflooding with LS, HS, and HS-DEM at 12
PV/d of injection rate: Core #1.
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Fig. 15. a) Salt concentration, and b) pH profile of produced water of LS, HS, and HS-DEM: Core #1.

Fig. 16. Effect of DEM concentration on oil recovery at injection rate of 4 PV/d:
Core #1.

Fig. 17. Oil recovery performance at high salinity water (HS), low salinity
water (LS), and high salinity water with 100 ppm of DEM: Initial injection rate
is 4 PV/d): Core #2.

Fig. 18. Pressure drop profiles in the core without vugs with high salinity water
(HS), low salinity water (LS), and high salinity water with 100 ppm of DEM
(HS-DEM 100 ppm). The initial injection rate is 4 PV/d: Core #2.

Fig. 19. Effect of longer aging time on oil recovery of waterflooding perfor-
mance at injection rate of 4 PV/d: Core #2.
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increased to 85 ppm at 5 PV of brine injection. There was no change in
permeability to 10 PV. We have repeated the same test to higher PV
injection. Results show no measurable effect of adsorption on perme-
ability; the concentration of DEM in the injected brine and produced
brine are the same after 14 PV injection [18]. All of our measurements
indicate no significant adsorption in the carbonate core.

3.10. CMC measurement

Fig. 21 shows the surface tension of high salinity brine vs. the
concentration of DEM. Based on the change in the slopes of the plots,
two trendlines are obtained; the intersection of these two lines is at
30 ppm, which is the CMC. Based on CMC consideration, the injected
concentration should be above 30 ppm. Based on emulsion testing a
100 ppm concentration may be selected. This will also allow for the low
adsorption of the chemical. The upper limit is 200 ppm. The DEM is
observed to be completely homogenized in the aqueous phase in the
range of 200 ppm for a period of 7 days. In our coreflooding

experiments, DEM in the range of 200 ppm was found to be in a single
phase with the aqueous medium. The maximum concentration of the
surfactant in aqueous phase for homogeneous solution is expected to
deviate slightly by the salinity of the aqueous phase.

4. Further discussions and conclusions

In conventional improved oil recovery, surfactants decrease the
interfacial tension by orders of magnitude at a concentration which
might be two order of magnitude higher than the surfactant used in this
work. In the process from an increase in oil-water interfacial elasticity
(G' > G″), the concentration at 100 ppm may be effective.

Our work has been conducted using dead oil, NaCl salt in the in-
jected water, and room temperature. We used NaCl in the injected
water to obtain consistent results without change of salt composition.
Our ongoing measurements, based on a mixture of salts instead of NaCl
shows a more pronounced interface elasticity effect. The effect of
temperature can be expected to increase water-wetting and therefore
may help the process by the DEM molecule compared to low salinity
water injection. The use of a live oil in coreflooding, and development
of the setup for high pressure interfacial viscoelasticity measurements
are future steps. Recently we have conducted coreflooding at reservoir
temperature and the effectiveness at high temperature is also observed.

The length of the two cores we have used varies from 2.2 to 2.5 in..
The permeability is high for a carbonate rock (about 40 md for Core #2
and about 450 md for Core #1) and porosity is also high (about 24%
and 18% in Cores #1 and #2, respectively). We have used two different
injection rates. The trend in recovery is about the same at both rates.
The recovery results demonstrate the efficiency of the process from use
of the DEM and the effect of interface elasticity increase. In Kar et al.
[18] long carbonate cores (permeability of around 12 md) were used as
mentioned in the introduction. The recovery trends are the same as in
shorter cores (with high permeability) in this study.

The key conclusions drawn from this investigation are:

• The demulsifier used in this work has a very low adsorption to the
carbonate rock, around 2 mg/g at 100 ppm concentration. The low
adsorption is an important feature of the chemical.

• The CMC of the demulsifier molecule in the high salinity brine is
about 30 ppm. The concentration of 100 ppm was selected for most
of our measurements based on low adsorption and the CMC of
30 ppm.

• There is a mild increase in oil recovery from low salinity water in-
jection compared to the high salinity water injection. High salinity
water injection at 100 ppm of the demulsifier molecule has higher
oil recovery than low salinity water injection.

• Two carbonate rocks (with and without vugs and with very different
pore sizes) have similar trend in oil recovery and pressure drop
profiles.

• The high oil recovery from injection of high salinity water with the

0

0.2

0.4

0.6

0.8

1

220 240 260 280 300

20 ppm
40 ppm
60 ppm
80 ppm
100 ppm

A
bs

or
ba

nc
e 

(A
)

Wavelength (nm)

a)

y = 155.35x + 6.5909
R² = 0.9999

0

40

80

120

0 0.2 0.4 0.6 0.8

Co
nc

en
tr

ati
on

 o
f D

EM
 (p

pm
)

Absorbance (A)

b)
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Table 6
Adsorption at different concentrations of DEM in high salinity brine onto car-
bonate rock.

DEM concentration in
brine (ppm)

Adsorption of DEM in
rock (mg/g)

Equivalent Adsorption of
DEM (mg/m2)

20 0.4 5.8E−08
40 1.1 1.5E−07
60 1.6 2.3E−07
80 1.8 2.5E−07
100 2.0 2.8E−07
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Fig. 21. Surface tension with respect to logarithmic scale of DEM concentration
in high salinity brine; trendlines plotted for the two sections, Series 1
(1–20 ppm) and Series 2 (50–200 ppm), intersecting at CMC = 30 ppm.
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dissolved 100 ppm demulsifier molecule correlates with a sig-
nificant increase in oil-water interface elasticity (reduction in phase
angle). There is slightly higher oil recovery from low salinity in-
jection compared to high salinity injection, which correlates with a
mild increase in interface elasticity at low salt concentration.

• The demulsifier molecule used in this work at 100 ppm, not only
increases interfacial elasticity but also mildly increases water-wet-
ting. The wettability change is not significant due to very low ad-
sorption at the fluid-rock surface. Most of the DEM molecules adsorb
at the fluid-fluid interface increasing the interface elasticity, as
shown by a decrease in phase angle. In general the process of low
salinity and DEM addition to the injected brine at ultra-low con-
centration may be affected by multiple mechanisms. Based on in-
terfacial rheology and coreflooding, we propose interface phase
angle as a measure of elasticity.

5. SI conversion factor

1 psi = 6895 Pa
1 ppm = 1 mg/L
1 mD = m2

atm = 101325 Pa
torr = 133.3224 Pa
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